I. INTRODUCTION
The responsibility of ensuring the reliability of a control area within an interconnected power system is shared by all the operating entities inside the power system. In a traditional regulated power system, the responsibility for assuring reliability is shared by the vertically integrated utilities. The reliability criteria are established by a committee consisting of all the interconnected utilities in the control area, and a system operating organization responsible for the overall power dispatch in the control area, commonly known as a power pool, is in charge of enforcing the reliability rules. Most of the operating entities also belong to a larger regional reliability council, such as the Northeast Power Coordinating Council [1] , so that neighboring control areas can operate with similar reliability criteria. The regional reliability councils form the North American Electric Reliability Council (NERC) [2] , which establishes recommended standards on system reliability.
The power industry has been evolving toward a marketbased approach in the United States and throughout the world for well over a decade [3] , [4] . In addition to active long-term wholesale bilateral markets that exist in all regions of the United States, short-term wholesale markets with transparent prices and market structures that consistently produce just and reasonable prices of energy and ancillary services are crucial to the success of electricity markets. In a restructured or deregulated electricity market, a traditional utility is separated into three entities: generator companies (GENCOs), transmission owners (TOs), and load serving entities (LSEs). Along with other nonasset owners such as energy traders, they are collectively known as the market participants (MPs). The responsibility of ensuring the reliability of a control area is delegated to an independent system operator (ISO) or a regional transmission organization (RTO). In general, the MPs have responsibility for providing accurate data, certifying the performance of their equipment, and following the dispatch requested by the ISO/RTO. The ISO/RTO has the responsibility of ensuring that each MP meets its reliability rules and coordinating the dispatch of the electricity supply to meet the demand, such that the power system will also meet the operational reliability rules at the lowest possible cost. NERC has already included ISOs and MPs in its governance structure, with the traditional reliability criteria updated appropriately to meet the needs of restructured electricity markets.
A key premise of a successful competitive market is that the market works through the interaction of private, decentralized trading and investment decisions [5] . effective electricity market should allow substantial commercial freedom to market buyers, sellers, and various types of traders. Trading rules would then allow the market participants the freedom to fashion and implement various trading and risk management arrangements with each other, at prices to which they mutually agree, in pursuit of their respective commercial interests. Market design should, on the other hand, recognize the fact that the laws of physics dictate certain essential characteristics of system operations and the complexities of electricity networks require a degree of centralized coordination over system operations to ensure system reliability. In some power markets, the system operator, whole role is to maintain reliability, and the market operator, whole role is to settle supply and demand, are separate entities. This type of market structure requires a substantial amount of coordination between the two operators to be successful (Fig. 1) . This is sometimes referred to as the unbundled approach [6] , which was used in California (1998) (1999) (2000) . However, an electricity market in which the ISO or RTO functions both as the "system operator" for reliability coordination and the "market operator" for establishing market prices is more likely to succeed in allowing commercial freedom and centralized economic and reliability coordination to coexist harmoniously (Fig. 2 ). Within this framework there are a number of variations, such as the practice in Australia, and New Zealand, which do not procure reliability ahead of time and only run real-time markets, and other practices like in Texas which clear energy and ancillary services sequentially. This paper focuses on the integrated approach, which has been adopted by most of the U.S. power markets, including NYISO [7] , PJM [8] , ISO-NE [9] , and the new California market [10] , in which reliability is addressed at many different levels and energy and ancillary services are optimized simultaneously [11] , [12] . 1 For an ISO using an integrated approach, ensuring reliability of a power system is a multistage process. The part that has an immediate impact on a customer is the real-time dispatch (RTD). Less visible are the system planning and scheduling that prepare a power system for reliable operation. The envelope of power system reliability can encompass five major progressions starting from many years in the future, as shown in Fig. 3 [13] .
Developing the electricity supply to meet future load growth needs to start at least five years ahead of time because of the long lead times required in the construction of generation and transmission equipment. Then, going forward three to six months, an ISO needs to secure the generating units and transmission facilities that are available to participate in the dispatch. Then, one to two weeks prior to the actual operation, an ISO will determine whether any unanticipated but deferrable maintenance on some equipment can be carried out. A day before operation, using the load bids submitted by the LSEs and the load forecast, an ISO will perform a day-ahead security-constrained unit commitment (SCUC) to determine the hourly setpoints of the generators based on the bid-in energy prices to serve the loads. In real time, an ISO needs to reconcile the differences between the committed load and the actual load on 5-15-min intervals with a 1-3-h look-ahead horizon. This requires a control room operator to execute a real-time security-constrained economic dispatch (SCED) to adjust the day-ahead generator dispatch schedules and perhaps solicit additional supply to ensure that the system is secure.
The stages in Fig. 3 can be applied to both regulated and deregulated electricity markets. The analysis techniques and software are similar, but the inputs and the decision processes are very different. For example, in long-term planning, a regulated utility would include the rate of return set by the public utility commission when considering generation and transmission expansion, which are considered as capital investment projects. In a deregulated market, however, an MP needs to request an ISO to perform studies to determine whether a new generating or transmission facility expansion plan is technically feasible. If the project is technically feasible, then the MP will evaluate the investment opportunity, based on historical and predicted energy prices in peak and off-peak hours, and arrange for project financing. There are typically many ongoing potential projects under study by the ISO, with only a small fraction of the projects eventually coming to fruition. Although the process of planning and the return on investment differ between regulated and deregulated markets, the analytical tools used for the studies belong to the so-called production planning software [14] , [15] . This paper focuses on four ancillary services to meet the needs of the reliability criteria in four time horizons. Ancillary services include regulation, reserve (both spinning and nonsynchronous), voltage support, and black start capability. The time horizons cover those of resource adequacy, operations planning, day-ahead scheduling, and RTD. In some discussions, we will use an example of an ISO with two zones (Fig. 4) for illustration. The zones, each represented by two generators and two loads, are connected by several parallel transmission paths. During peak load hours, these transmission paths are congested, and are constrained to certain precomputed limits. Note that in a practical power system, depending on the load patterns, different sets of transmission paths can be congested, resulting in the zones having different boundaries. In Fig. 4 , we also show the connections of the ISO (called ISO I) to other ISOs, namely, ISO II and ISO III.
The paper is organized as follows. In Section II, some of the NERC reliability criteria relevant to this paper are summarized. The other sections are organized according to the time frames in Fig. 3 . The availability of resources for maintaining reliability is addressed in Section III, including a summary of the current practices of several ISOs. Generator operating reserves and outage coordination are discussed in Section IV. Section V discusses a multiple settlement system for the day-ahead market (DAM) and the RTD. Several potential investigations for improving reliability are presented in Section VI. A mathematical formulation of a SCED problem is given in the Appendix.
II. RELIABILITY CRITERIA
Reliability criteria, as detailed in NERC documents [2] and commonly practiced in power systems, address both technical and organizational aspects of reliability in planning and operation. The technical aspects include control area performance, transmission systems, system coordination between control areas, and operations planning. The organizational aspects include procedures for coordinating reliability within a control area and between control areas, communication of data, and operation staff training and certification. In this paper, we will focus mostly on the technical aspects of the reliability criteria.
A. Control Area Generation Control and Performance
Each control area needs to be able to regulate generation to meet the daily variations of load demand. This generation regulation has several aspects. 1) Frequency response: All generating units above a certain size must be equipped with a governor capable of responding to system frequency deviation due to load ramps and generator trips. Governors typically provide a 5% droop and should be responsive to frequency deviations outside of a prespecified band. 2) Area control error (ACE): ACE [15] represents the shift in the generation in the control area required to restore frequency and the net interchange to its desired value, and is given by ACE
where is the deviation in megawatts of the interchange from the desired value, is the frequency deviation in hertz, and (in megawatts/0.1 Hz) is the bias set as close as possible to the control area's frequency response.
3) Automatic generator control (AGC): AGC is typically installed at a central location, such as the power grid operator, as a means of coordinating the generation available in a control area to restore ACE to zero. The control logic aims at driving the overall ACE as well as individual unit generation deviation to zero. Generation setpoints from AGC calculation are typically issued every 2-6 s. 4) SCED: Like AGC, SCED is installed in a central location and coordinates generation. SCED's control logic, however, aims at determining the generation schedules that will securely and most economically meet load. SCED typically has a cycle time of 5 min. 5) Generation reserves: A control area needs to maintain sufficient amount of generating capacity on spinning and standby, allowing the AGC to reduce the ACE to an acceptable value in case of single or double contingencies.
B. Transmission System Performance
Each control area should have a reliable transmission system that can recover from single or multiple contingencies without losing stability, uncontrolled separation, and cascading outages.
1) Single and multiple outages: The power system shall survive through the most severe single contingency and credible multiple contingencies. 2) Voltage and reactive control: Each control area shall implement voltage control strategies to maintain acceptable voltage levels under normal operating conditions and contingency conditions. It needs to have adequate reactive resources to provide the required voltage support. The reactive resources need to be location specific because the effect of reactive support tends to be local. The system operator shall take corrective actions, including load shedding, to prevent voltage collapse when reactive resources are insufficient.
3) Monitoring:
The system flows and voltages should be monitored by the grid operator and the TOs to ensure that no operating limits, such as stability and thermal limits, are violated. 4) Protection: Protective systems, including relays, should be of minimum complexity to achieve the desired objectives and should not mis-operate on unrelated events. Redundancy should be built into the protective systems to provide additional system security. 5) Maintenance: Maintenance of all equipment must be performed at regular intervals. The maintenance needs to be scheduled so that system reliability will not be compromised.
C. Operating Planning
The operations planning function in a power control center needs to have a set of current plans to evaluate all its options and set procedures for reliable operation through a reasonable future time period. These operational plans can be separated into four regimes [16] - [18] . 1) Normal operations: Bulk power system studies need to be performed to coordinate the power system operation for the current day, the next day, and seasonal variations. The studies should include planned and unplanned changes in system configuration, generation dispatch, interchange scheduling, and demand changes. The unplanned changes should include the most severe single contingencies and all credible multiple contingency cases. The results will determine the capacity and energy reserve requirements, voltage and reactive support limits, and total transfer capability.
2) Emergency operations:
The system operator needs to have plans to deal with: 1) insufficient generating capacity; 2) transmission system overloaded beyond thermal and/or stability (transient/voltage) limits; 3) the proper use of load shedding to prevent frequency decay; and 4) system restoration after a power disruption has occurred. 3) Load shedding: Each operating center shall develop, in coordination with neighboring control areas, plans to perform automatic load shedding, to minimize the risk of uncontrolled separation and system shutdown. The load shedding is typically performed based on frequency and voltage levels, with activation occurring in multiple steps. An operator also should have the means to manually activate load shedding in any appropriate time frame. 4) System restoration: Each system operator, in coordination with the transmission and distribution operators, needs to able to reestablish the electric power system after a system disruption. In case of tie-lines between control areas, the coordination extends to the neighboring control areas. An integral part of the restoration plan is a quick and reliable source of generators, typically hydro-turbine and diesel units, to provide start-up power.
D. Reliability Coordination
Each system operating entity should have a reliability coordinator with broad responsibility to oversee the compliance of the entity with NERC reliability criteria. The reliability coordinator is also responsible for working with reliability coordinators from other control areas to ensure the reliable operation of the interconnected system.
E. Standard Market Design (SMD)
The FERC's SMD [19] envisions an independent operator (ISO or RTO) that acts as reliability coordinator, system operator, and market operator. Other than an independent operator, some key components of SMD related to reliability include the following.
• A voluntary short-term spot market for energy based on competitive bids and offers with transparent prices. The spot market would include both a day-ahead function to coordinate generator starts and stops (unit commitment) and a real-time balancing function. • Locational marginal pricing (LMP) of energy that assigns a value to transmission constraints.
• Markets for certain ancillary services.
• Resource adequacy requirements.
• Regional transmission planning.
III. RESOURCE ADEQUACY
A distinction can be made between contingency reserves and planning reserves [20] . The former, which includes spinning reserves, nonsynchronous reserves, etc., must typically be available with a lead time of 30 min or less. Contingency reserves relate to short-term security and are typically the concern of day-ahead planning and real-time operation. Contingency reserves provide for reliable operation right now, or tomorrow. Planning reserves, on the other hand, are designed to avoid difficulties that might result from generator outages, whether planned or forced, or from load growth. Planning reserves take a longer term view of system reliability, to provide for reliable operation over the next month, months, year, or years. Day-ahead and real-time electricity markets deal with contingency reserve, while resource adequacy requirements and outage scheduling procedures target planning reserves. The analytic tools associated with the operation of the electric power system and contingency reserve (unit commitment, economic dispatch, security analysis, etc.) become secondary to economic and policy considerations as the period of time in question grows from days to months or years. In short, resource adequacy generally considers only the ability of resources to provide energy. The ability of resources to provide ancillary services is generally outside the scope of resource adequacy consideration. 2 
A. Generation Resource Adequacy
Both resource adequacy requirements and coordinated outage scheduling are used to ensure adequate generation capacity in the near future. Many variations exist, and some feel resource adequacy requirements are unnecessary. The resource adequacy rules described below are characteristic of the electricity markets of the northeastern United States [21]- [23] . The Australian electricity market [24] lacks a resource adequacy requirement and is the basis for the discussion of energy-only markets.
Resource adequacy requirements attempt to establish the economic conditions that encourage investment by suppliers, where "suppliers" encompass both generating resources and demand reduction resources. Day-ahead and real-time (spot) energy and ancillary service prices tend to reflect only suppliers' short run marginal costs and, at times, scarcity rents. These may not represent suppliers' total costs. Hence, reliance solely on spot markets for compensation may not provide suppliers with sufficient incentive for investment. The markets that are concerned with resource adequacy requirements are intended to better reflect suppliers' long-term marginal costs. The energy-only market design, a design without a capacity market, relies solely on scarcity rents to provide sufficient incentive for new investment. While all energy markets incorporate some sort of upper limit (cap) on the offer price of energy, the energy-only markets typically have a higher cap than other designs to allow for higher scarcity rents. Nevertheless, even the energy-only market may place a cap on the amount of scarcity rent that can be collected. The key aspects of programs that implement resource adequacy requirements are: 1) capacity requirements; 2) bilateral market; 3) market-based auctions to augment the bilateral markets; 4) a market-based balancing auction; 5) supplier obligations to be available; and 6) market administration and oversight.
Capacity requirements may be determined by an independent agent, such as an ISO or reliability council. Requirements are generally based on a predetermined methodology such as the one day in ten years loss of load probability. The capacity requirement recognizes that forecasts of load growth are uncertain and that electrical generators have nonzero outage rates. A typical capacity requirement might be 118% of predicted peak load. LSEs must acquire capacity to cover peak load plus the previously determined margin. The duration of the capacity requirement varies; durations as long as five years have been proposed, but a one-month duration is more typical. Capacity requirements may also be locational.
The need of a locational requirement can be illustrated with the example of Fig. 4 . Suppose that peak load in each of Zone A and Zone B is 1000 MW with only 500 MW of transfer capability between the two zones. Suppose further that Zone A has a glut of inexpensive generation and could, if the transmission capacity were available, supply the peak load of both Zone A and Zone B with a comfortable margin left over. The locational requirement that LSEs in Zone B acquire at least 50% of their installed capacity locally would guarantee that the zone's peak load can be served. The locational requirement recognizes the inherent limitation in transfer capability between the two zones. A similar locational requirement could be imposed on Zone A. The requirement for LSEs in Zone A is unnecessary because we have supposed that the zone contains a glut of inexpensive generation, and, it would make little sense for an LSE in Zone A to acquire the relatively more expensive capacity of Zone B.
Each LSE must acquire capacity to meet its obligation. Generally, capacity can be acquired bilaterally or through an auction. A typical auction matches bids to purchase capacity with offers to sell capacity. The auction determines the amount of each bid that is accepted and the amount of each offer that is accepted. Clearing prices are also determined. The selection is done to maximize the social welfare, that is, the quantity (benefit minus cost), where:
• benefit is the sum of accepted bids to purchase times the bid price; • cost is the sum of accepted offers to sell times the offer price. When posed as a constrained optimization problem the following constraints must be observed.
• The accepted amount of each offer to sell must be between zero and maximum amount in the offer.
• The accepted amount of each bid to purchase must be between zero and maximum amount in the bid.
• There must be a balance between buyers and sellers.
-Sum of accepted amounts of all buyers' bids must equal the sum of accepted amounts of all sellers' offers.
-Where there are locational requirements, the sum of accepted amounts of buyers' bids must be less than or equal to the sum of accepted amounts of sellers' offers in the location. That is, a capacity resource in a restricted location can (theoretically) satisfy a capacity requirement outside that location.
• Import restrictions must be observed. -For each external control area, total award to suppliers in that control area must be between zero and a predetermined maximum amount. -For all external control areas in aggregate, total award to suppliers in those control areas must be between zero and a maximum predetermined amount. Deficiencies are settled in a balancing auction. LSEs that may have failed to acquire adequate capacity and suppliers that may have failed to perform are required to purchase additional capacity in a balancing auction. Deficient parties are treated as price takers in the balancing auction, while suppliers may offer their capacity at a price, as in the normal auction. With no elasticity on the demand side, the balancing auction's results (clearing prices) can be quite volatile. To mitigate this phenomenon, administratively determined demand-side elasticity can be introduced into the balancing auction. With elasticity on the demand side, the balancing auction's clearing prices tend to stabilize. Prices do not get too high because demand is reduced in response to high prices; and prices cannot get too low because demand is increased in response to low prices.
Suppliers of capacity generally have an obligation to participate in the day-ahead and/or real-time energy and ancillary services markets, that is, to make their generating units available for commitment. Their long-term marginal costs having (presumably) been met in the capacity market, they participate in the day-ahead and real-time markets concerned only with short-run marginal costs.
Market administration and oversight goes far beyond the simple administration of auctions, accounting of capacity holdings, and verification of bilateral contracts. Since no market can remain efficient when market power is abused, market administration also requires that market power be monitored and mitigated when needed. Mitigation generally takes two forms: 1) a requirement that suppliers offer capacity, that is, physical withholding is not allowed, and 2) caps on offer prices, that is, economic withholding is not allowed. In some instances suppliers with market power have been prohibited from entering into bilateral contracts and forced into capacity auctions.
B. Black Start Resources
Black start-capable generators must start-up and self-sustain continued operation without an outside energy source. In the event of widespread loss of electric service (blackout), black start resources must supply the power to other generators so they can be started, or restarted, during system restoration. Resource adequacy generally does not have a requirement for black start resources. Rather, compensation of black start resources is cost-based and generally considers only the cost of facilities within the generators that provide the black start capability and the cost of restoration training for operators.
C. Reactive Power and Voltage Control Resource Adequacy
In a three-phase power system, reactive power is crucial for the transfer of active power over the transmission system [25] . Equipments in a power system that can affect reactive power and hence perform voltage control include [26] :
• generators;
• synchronous condensers;
• switched capacitors and reactors;
• static Var compensators (SVCs) [27] ;
• voltage-sourced converter-based flexible ac transmission system (FACTS) controllers such as static compensators (STATCOMs) and unified power flow controllers (UPFCs) [27] . The scheduling of reactive power such that the system voltage for a particular power transfer level in a control area is within prescribed values is typically dispatched by an ISO. A proper voltage profile is important for minimizing active power losses and for the system to survive contingencies. For reliability, an ISO or LSE is required to secure the necessary reactive power resources. The cost of using these resources will be paid by the loads.
The reactive power resources, which include generators, synchronous condensers, SVCs, and FACTS controllers, and switched capacitors and reactors, have different capabilities and operational characteristics. Generators, synchronous condensers, SVCs, and FACTS controllers are relatively fast and thus are more valuable. Mechanically switched capacitors and reactors are slower and their reactive power output may not be adjusted rapidly. Nevertheless, generally only generators are paid for the ability to supply reactive power. In the case of FACTS controllers such as a STATCOM, in lieu of a reactive power payment, it can be paid with transfer rights [for example, transmission congestion contracts (TCC)] if their application results in higher power transfer levels [28] . In peak load periods, such transfer rights can be more valuable than reactive power payments. Generators usually are contracted to operate at certain power factors, and are paid with energy prices for active power generation and separately for reactive power generation. In the case when the ISO needs a particular generator to supply more reactive power than it is contracted to do so, and as a result, the generator has to reduce its active power generation, the generator will be compensated with an energy payment equivalent to its active power reduction. The payment is known as the lost opportunity cost and is socialized among the loads. Table 1 summarizes treatment of capacity and ancillary services in several ISOs/RTOs. 3 While some ISOs/RTOs operate a capacity market and others do not, all provide costbased payments to generators that supply reactive power and to providers of black start capability. Regulation and reserves will be discussed in the next section. 
D. Current Industry Practice

IV. OPERATIONS PLANNING
For reliable real-time operation, a power grid operator must ensure the availability of additional system resources that can be dispatched within an appropriate time frame following contingencies. These resources, because they do not receive energy payment, are grouped into the ancillary services category, to allow their readiness to serve to be compensated.
A. Generation Operating Reserves
One of the ancillary services resources is generator operating reserves [29] , the total amount of which is equal to the largest amount of power lost in the most severe credible contingency case. If a single contingency is used, then the reserve would be equal to the power output of the largest generating unit. Generation operating reserves can be classified into several subcategories.
Regulating reserves to maintain system frequency-
This service is in general provided by generators such as hydro turbines that can respond rapidly to changing power setpoints, which are dispatched by the ISO every 2-6 s.
Fast reserves that can be available within 10 min-
Frequently these are already dispatched steam turbines that have upward generating capacity (spinning) or faststart gas turbine units that can be brought on-line very quickly.
Slower reserves that can be available within 30 min-
These are typically off-line gas turbines that require a longer time to ramp up. The value of generator capacity reserves decreases as the time to its availability increases. Thus regulating reserve bids tend to be higher than those of the slower reserves. If a lower quality reserve is exhausted, the requirement can be substituted by a higher quality reserve (known as down substitutability), with the anticipation that the clearing price of that lower quality reserve be at the same level as the higher quality reserve. All generators committed to providing reserves will be paid based on market values when they are committed in the DAM (see Table 1 ). If in addition, they are requested to provide energy during real-time system operation, they will also be paid for the energy that they provide to the grid.
B. Locational Aspect of Resources
Although the total amount of operating reserves required is defined by the contingency analysis, for a control area that experiences congestions between its zones, such as the ones shown in Fig. 4 , the generation reserves must be located in the appropriate zones so that bringing up the reserves on-line after a contingency would not cause the congested lines between the zones to be overloaded. As a result, one would expect reserves in congested zones to be more valuable. The proportioning of the locational operating reserves depends on the system operating condition, and thus should be determined by a contingency evaluation program. For expediency the system operator may wish to set the locational reserves at fixed amounts in each zone, so as to reduce the complexity in computing the system dispatch. Such a practice is acceptable if the overall dispatch cost would not be very different and generation investments in the congested zones are not adversely affected.
C. Outage Coordination
The coordination of transmission and generation outages in a competitive environment seems to be in its infancy, because these outages affect both reliability and congestion rents. Currently the ISO or RTO of each deregulated control area confirms that scheduled outages will not cause a reliability problem. That is, the system must be able to withstand contingencies when selected equipment is out of service. The ISO/RTO has veto power over outages requested by transmission and generation asset holders if reliability would be compromised. Contingency analysis software is capable of making such assessments. In a deregulated environment, the challenge will be to schedule outages to minimize the impact on the electricity markets with the constraint that reliability is not compromised.
V. DAY-AHEAD AND REAL-TIME OPERATIONS
To be successful, a power market must operate with a reliable supply of energy and stable competitive energy prices [30] . To achieve this objective, the grid operator must approach the dispatch of power to serve loads in multiple steps. As discussed earlier, the grid operator must ensure that the resources are adequate to meet the real-time demand. Then, because of the start-ups and ramp rates of generators, supply schedules need to be provided to the generators with a sufficient lead time. In determining the supply schedule, not only the application of the principle of marginal costs (based on the bids provided by the generators) but also system reliability needs to be considered. However, because the real-time loads cannot be predicted with certainty, the grid operator needs to adjust in real time the generator schedule to accommodate for either excess or inadequate supply. Ensuring consistency between energy prices and reliability-based dispatch is important for market transparency and will feedback the appropriate price signals to the MP to achieve a stable, self-correcting market. Efficient price signals consistent with reliability also provide a stage upon which commercial freedom can be exercised freely via bilateral contracts or the arrangements of self-scheduling and self-commitment. The intent is to place bilateral and spot trading on an equal footing, leaving the mix between long-and short-term options solely as decisions of the market participants. For systems using the self-commitment approach without the DAM like in New Zealand or Australia, only the RTD mode is needed. In this section, we will discuss several aspects of bids and settlements with reliability consideration.
A. SCUC and Dispatch
The operation of a deregulated electricity market requires a multistage security-constrained optimization program based on LMP [5] to settle energy prices and provide ancillary services [7] - [9] , [12] , [31] , [32] . This program, either in the unit commitment mode or the RTD mode, simultaneously balances the system generation, loads, and losses at the least as-bid cost, honors all transmission constraints, and provides market price signals over an appropriate operating horizon. In this framework, the ISO is using bids/offers from market participants to arrange a dispatch to achieve reliable operations while the market participants are using bid-based dispatch from the ISO to buy and sell energy at market prices to support their commercial objectives. The same algorithm applies to short-term forward markets (e.g., DAM) and real-time markets to ensure market convergence.
The energy and ancillary service commitment and dispatch should ideally be formulated as a nonlinear programming problem with the objective to maximize the market benefits, which is equivalent to minimizing the sum of costs to energy and ancillary service offers subject to the real-time power network operating constraints and equipment physical characteristics. The network operating constraints include power transfer limits across congested interfaces, which are predetermined based on off-line contingency evaluations, both for steady-state and dynamic stability conditions. Equipment physical characteristics include generator start-up times and ramp rates, and maximum line current loading from thermal considerations. Under a cooptimized framework of energy and reserve markets, system-wide and locational reserve constraints are enforced for the market operator to procure enough reserves to cover preselected and credible contingency events. In most ISOs, external transactions are considered for energy supply, but the ancillary services are provided solely by resources within the control area.
With recent, significant advances in optimization methods such as interior-point methods [33] , it is becoming more practical to treat the dispatch problem as a nonlinear problem. To meet stringent market clearing deadlines of large-scale systems, however, the dispatch production code typically still uses a linear programming formulation with cost functions and constraints that are piecewise linear so that a dispatch solution can be obtained reliably. Power transfer limits are typically fixed at worst case values, instead of depending on loading conditions. The power network is generally represented as a dc network or with generation shift factors. In some production code, an ac network is used, with a provision to default to the dc solution when convergence problems are encountered. As an illustration, a simplified linear programming formulation of a securityconstrained energy and reserve dispatch optimization is given in the Appendix.
B. Multiple-Settlement Systems
Electricity is a commodity that cannot be effectively stored and the energy-supplying generators have limits on how quickly they can be started and ramped up or down. As a result, both the supply and demand become more inelastic and the electricity market becomes more volatile and vulnerable as it gets closer to real time [34] . To achieve a stable margin as well as to maintain the system reliability, a forward market is needed to provide buyers and sellers the opportunity to lock in energy prices and quantities and the ISO to secure adequate resources to meet predicted energy demand well in advance of real time. Thus architecturally, many ISOs (e.g. PJM, ISO New England, New York ISO) take a multisettlement approach for market design. Fig. 5 shows a typical architecture of a multiple-settlement system.
The two main energy markets, each producing a financial settlement, in a multisettlement system, are the following. 1) DAM: schedules resources and determines the LMPs for the 24 h of the following day based on offers to sell and bids to purchase energy from the market participants. 2) Real-time market: optimizes the clearing of bids for energy so that the real-time system load matching and reliability requirements are satisfied based on actual system operations. LMPs are computed for settlement at shorter intervals, such as 5-10 min. Fig. 6 shows the timeline of the multiple-settlement systems used in NYISO, PJM, and ISO-NE, which are typical of those used in practice. Supply and demand bids are submitted for the DAM, typically 12-24 h ahead of the real-time operation. Then the day-ahead energy prices are computed and posted, 6-12 h ahead of real-time operation. In some systems such as PJM and ISO-NE, from the end of the DAM settlement to the beginning of the real-time market, a resource adequacy assessment (RAA) will be performed to revise, if needed, the generator schedule to meet the forecasted load and operating reserve. RAA will be discussed further in the next subsection.
1) DAM:
The DAM typically consists of supply and demand bids on an hourly basis, usually from midnight to the following midnight. The supply bids include generation supply offers with start-up and no-load costs, incremental and decremental bids, and external transactions schedules. The demand bids are submitted by loads individually or collectively through load-serving entities. In scheduling the supply to meet the demand, all the operating constraints such as transmission network constraints, reserve requirements, and external transmission limits must not be violated. This process is commonly referred to as an SCUC problem, which is to determine hourly commitment schedules with the objective of minimizing the total cost of energy, start-up, and spinning at no-load while observing transmission constraints and physical resources' minimum runtime, minimum downtime, equipment ramp rates, and energy limits of energy-constrained resources. Based on the commitment schedules for physical resources, SCUC is used to clear energy supply offers, demand bids, and transaction schedules, and to determine LMPs and their components at all defined price nodes including the hubs, zones, and aggregated price nodes for the DAM settlement. The SCUC problem is usually optimized using a Lagrangian relaxation (LR) or a mixed-integer programming (MIP) solver.
In some deregulated electricity markets, in order to improve the market liquidity, nonasset holding energy traders are permitted to bid in the DAM virtual supply and virtual load. When a virtual supply offer is competitive, it will displace an equivalent amount of physical generation. For reliability, in SCUC, the total amount of committed physical generation must not be less than the total amount of physical load. In case when this is not true, the deficit will be made up by securing physical generators spinning at no-load. This will not affect energy prices, but an uplift charge must be levied on the virtual supply parties causing the physical generation imbalance to pay for the additional generators spinning unloaded. The calculation and distribution of the uplift can be embedded in the SCUC program [35] .
A critical part of the DAM is the bid-in loads, which is a day-ahead forecast of the real-time load. The load estimate depends on the season, day type (weekday, weekend, holiday), and hour of the day. Most ISOs have sophisticated load forecasting programs, some with neural network components [36] , [37] , to predict the day-ahead load to within 3%-5% accuracy and the load forecasts are posted. LSEs with fully hedged loads through long-term bilateral contracts tend to bid in the amount corresponding to the ISO predicted loads. Some other LSEs may bid in loads that are different from those posted by the ISO. In such cases, if the LSE bid load exceeds the ISO load, the LSE bid load is taken as the load to be dispatched. Otherwise, the ISO load will supersede the LSE bid load and the SCUC will commit generators to supply the ISO forecasted load in a reliability stage. Then the generation levels of the committed generators will be allocated to supply LSE bid loads. Committing extra generators outside the DAM will be treated as uplifts and be paid by the LSEs.
For some ISOs that do not supersede the lower LSE bid load with the ISO forecasted load, the SCUC will be cleared without committing enough generators to supply the forecasted load. For these ISOs, it would be necessary to perform an RAA to commit additional generators using SCUC to meet the ISO forecasted load. In addition, a security-constrained reliability analysis (SCRA) analyzes the next day's transmission system security based on the ISO load forecast and the RAA unit commitment schedules. The SCRA functions can be performed on an ongoing basis after the DAM is cleared and continuing up to the RTD hour of the next operating day.
As presented above, without any reliability considerations, day-ahead least bid-cost unit commitment can be a singlepass optimization. With reliability considerations, SCUC is typically a multiple-pass commitment process designed to minimize the least added cost to the energy demand to satisfy reliability constraints. In addition to the reconciliation of bid and forecasted loads and virtual supply bids, reliability constraints of transfer capability can be imposed on both the transmission and subtransmission levels. To simplify the unit commitment process, SCUC is first solved without maintaining the subtransmission constraints. In the next pass, the SCUC solution is revised to satisfy the subtransmission constraints. There is no prescribed fixed approach to the multiple-pass SCUC solution for DAM-the sequencing of the passes is dependent on the market rules and the characteristics of the power control area.
Nevertheless, the sequencing should aim for least increases in unit commitment cost for reliability and be able to consistently clear the market.
2) Real-Time Market: In real-time operation, a system operator has to revise the day-ahead generator schedule so that the power supply will match precisely the load demand, while keeping enough reserves and not overloading the transmission system. The real-time balancing of generation and load is carried out in the real-time market, preferably using tools having similar capabilities as the SCUC program and similar enforcement of the reliability constraints, so that the price consistency can be carried from the DAM to the real-time market. In contrast to the DAM scheduling, which is optimized on an hourly interval over 24 h, the real-time balancing uses a shorter time interval, such as 5-10 min, over a shorter look-ahead horizon, such as 1-3 h.
In the real-time market, a system operator typically performs two functions: RTD and real-time commitment (RTC). The RTD provides market-clearing functions to balance generation and load, and to meet reserve requirements based on actual real-time system operating conditions using the SCED algorithm and fast-start generator commitment approach. SCED dispatches generators and bilateral transactions based on their respective bids, while observing various system security constraints. It clears energy and various ancillary service markets in an optimal fashion using a linear programming (LP)-based optimization engine. The most recent state estimator solution may be used as the RTD base case. Other input data for RTD include interchange, reserve requirements, load forecast, generator regulation, self-scheduled generation, and actual/potential transmission constraints. Using the man-machine interface of RTD, the system operator has the capability to manage real-time resource operational plans such as changing unit status, overriding resource operating limits, regulation assignments, and limited energy resource parameters, etc., to adapt to system condition changes. RTD determines desired dispatch points (DDP) and reserve designations for generators and dispatchable loads. RTD also computes ex ante LMPs and zonal reserve prices for a specific time period into the future (e.g. 5 min, 15 min etc.). DDPs and ex ante LMPs of the approved RTD solution case will be sent to regional control centers or directly to the power plants.
Concurrently, a system operator will run the RTC task, which is similar to RTD, except for a longer time horizon, typically 1-3 h. It aims to commit resources that need a longer transition time.
VI. LOOKING AHEAD
Before deregulation, most regulated electricity markets operated their power systems with a high level of reliability, backed by a significant amount of reserves and a well-maintained transmission and distribution power network. In the transition period from a regulated market to a deregulated one, this reliability level is most likely to be maintained, as long as the existing resources are being properly compensated for participating in ancillary services markets. In the longer term as load increases, we need to examine whether the existing incentives will be sufficient to encourage new investments in equipment capable of providing ancillary services, in addition to energy. For example, reactive power support from generators is paid at a fixed amount and reactive power support from switched shunt capacitors is most likely not being compensated at all. It would be of interest to study whether an energy-dependent payment of reactive power support for generators and some compensation for new shunt capacitor installation would be effective in encouraging new reactive power investments.
There are also questions on how the reserves should be procured. For example, most ISOs secure generation operating reserves from resources located exclusively in their own control areas and the amount secured is independent of how much reserves exist in the neighboring ISOs. Should an ISO secure reserves from neighboring ISOs and should the neighboring ISOs share the available reserves, as long as the external interfaces can support the flows? Furthermore, should the amount of reserves to be secured be a function of prices? For example, if the last 5 MW of reserves is several times more expensive than the first 995 MW, should an ISO just purchase 995 MW of reserves instead of the fixed 1000 MW? The notion of a reserve demand function is worth investigating.
As pointed out earlier, coordinating equipment outages with the forecasted load will impact on the amount of resources available for ancillary services as well as the locational aspect of reserve requirements. Most ISOs would allow a piece of equipment to be taken off-line provided there are enough resources available to clear the market and operate the system, without directly optimizing the cost. It would be beneficial if an ISO has a maintenance scheduling tool that would optimize the staggering of equipment maintenance on a monthly or yearly basis, using historical load patterns. 
VII. CONCLUSION
In this paper, we have provided an overview of reliability criteria and how these criteria are being met in deregulated electricity markets. It is important to recognize that a successful deregulated market needs to treat power system reliability as a multiple time horizon process where building new generation and transmission facilities will take years and operating the market has a time span of hours and minutes. In addition, the power market needs to be segmented to allow for a forward market and a real-time market, so that the cost of securing energy and reliability can be optimized. We have not discussed the details of the computational issues associated with optimizing these markets subject to reliability constraints. We encourage the reader to consult the references mentioned in this paper and also the operation manuals of the ISOs/RTOs, which can be found on their Web sites.
APPENDIX FORMULATION OF AN ENERGY AND RESERVE DISPATCH OPTIMIZATION PROBLEM
A security-constrained energy and reserve dispatch optimization problem consists of minimizing the costs of serving the load demand and securing adequate reserves subject to the power network and flow constraints. The cost is given in the form of an objective function 
where is the set of reserve categories that have quality equal to or lower than .
The objective function (A1) is suitable for the dispatch in one time period. For the DAM with hourly dispatch, the objective function will be a summation of over 24 periods. Additional constraints to represent the transition between successive periods, such as the power output level of a generator at the end of one period is also its level at the start of the next period, need to be included in this multistage optimization problem. A similar optimization problem is solved for the RTC and RTD, except the time interval is smaller, the time horizon is shorter, and the initial load and generation are actual real-time values or obtained from the state estimator.
